I. Introduction
In recent times, the interest of mainstream energy economists, researchers and policy makers are rekindled in modeling the determinants of energy demand functions within the context of emerging and developing countries. Initially, the state government issued a license covering mainly municipal areas in medium to large cities. The areas of franchises were limited to city limits. The electricity supply company had a few restrictions. They had to supply power to anybody who asked for it, and are required to abide by safety rules. The electricity quality parameters were set more or less by the machinery suppliers [1] . Emphasis has now shifted to electricity as an energy input with the economic importance of stimulating socio-economic and technological development in an economy. Equally important is the need to obtain accurate estimates of electricity demand parameters for the purpose of forecasting, demand management and policy analysis.
Electricity demand is characterized mainly by economic factors viz electricity prices and real income; while demographic factors such as population and urbanization; and environmental factors like climatic condition are often included as additional explanatory variables. In general, the dynamics of electricity demand and consumption are known to exhibit seasonality, mean-reversion, high volatility and spikes [2] .
Energy plays an important role in the economic growth of both developed and developing countries. The growth hypothesis suggests that energy consumption is an indispensable component in growth, directly or indirectly as a complement to capital and labour as an input in the production process. Since production and consumption activities involve energy as an essential factor inputs, the relationship between energy consumption and economic growth has been a subject of greater inquiry as energy is considered to be one of the important driving force of economic growth in all economies. The question as to whether energy consumption has positive, negative or neutral impact on economic activities has motivated the interest of economists and policy analysts hence the need to find out the impact and direction of causality between energy consumption and economic growth. Nigeria today is one of the developing countries in Sub-Sahara Africa which is highly endowed with abundant natural resources including renewable and non-renewable potential energy resources. However, increasing access to energy has proved to be not only a continuous challenge but also a pressing issue [3] . The gloomy energy services provision in Nigeria have adversely affected the living standards of the population and aggravated energy poverty in the economy. The energy consumption mix of the country as at 2004 was dominated by oil (58%), natural gas (34%) and hydroelectricity (8%). The proportion of oil in Nigeria"s energy mix between 1984 and 2004 decreased from 77 to 58% [4] .
The demand for electricity in Nigeria is squarely for industrial, commercial and residential purposes. Fig.1 provides the trend of electricity consumption along with its disaggregated components. By visual inspection, electricity consumption by the residential sector has dominated other sectors since 1978, while the industrial sector"s demand has witnessed continuous downward trend. The fall in the industrial sector"s demand for electricity can be attributed to inadequate power supply which has forced manufacturers to resort to privately generated electricity for powering their production processes. Given the recent reforms embarked on by government to revamp electricity supply in Nigeria, it becomes important to model the key drivers of electricity demand in Nigeria in order to obtain empirical insights for electricity demand and supply projection and policy analysis.
Fig1:
Trend of electricity consumption in Nigeria (1970 Nigeria ( -2005 [5] .
In the face of all these power challenges faced by the country, cogeneration offers some respite if tapped into. Cogeneration is an old concept that has been used even in the time of Thomas Edison. But the technology has improved greatly since then. Cogeneration is also known as Combined Heat and Power. It is the onsite production of multiple types of energy, usually heat and electricity from a single source of fuel [6] . Cogeneration technologies are classified either as topping for bottoming systems, depending on whether electric or thermal energy is produced first. In a topping system, electricity is produced first in the most common cogeneration mode and then the remaining thermal energy is used for such purposes as industrial processes, space heating and cooling, water heating, or even the production of more electricity. Topping systems would form the basis for residential/commercial, rural/agricultural, and most industrial cogeneration applications. While in a bottoming system, high-temperature thermal energy is produced first for applications such as steel reheat furnaces, glass kilns, or aluminum re-melt furnaces. Heat is extracted from the hot exhaust waste stream and transferred to a fluid (generally through a waste heat recovery boiler), which is then vaporized by the waste heat to drive a turbine that produces electricity. The primary advantage of bottoming cycles is that they produce electricity with waste heat (i.e., no fuel is consumed beyond that needed in the industrial process), but their use is limited to industries that need high temperature heat [7] .
The paper is arranged in the following manner. Section II presents the model and explanation of the risk index and the simulation procedure. Section III contains the simulated results for the test system and accompanying discussions. Finally, the conclusion is given in section IV.
II. Modeling Of The Risk Sensitivity Index
In the study of how cogeneration plants react to increasing output, an index known as the Expected Energy Not Supplied (EENS) as given in equation (1) represents the risk. The idea is to obtain this index for an increasing output for the various cogeneration alternatives, then comparing the EENS to see whether it improves sharply or slightly.
Where, C(s) is the load curtailment (MW) in state s, NL is the number of load levels, N i is the total number of samples, T i is the time length of the i th load level, n(s) is the number of states occurring in the sample, F i the set of all the failure system states at the i th load level. The simulation approach implemented using Matlab includes the following basic steps [8] :
The multiple step annual load model is created, which eliminates the chronology and aggregates load states using hourly load records.
The system states at a load level are selected using a Monte Carlo simulation process. The system under consideration is a composite generation and transmission system. Generating units are generally modeled using multiple state random variables, including the up, down, and de-rated states, whereas transmission components are represented using two-state variables (only up and down states) or are assumed to be 100% reliable, depending on the case. The inclusion of a transmission network is necessary since the effect of a generation addition may be limited due to constraints of the transmission network. (c)
Calculate the risk indices for the expected energy not supplied EENS. The risk indices are the numerical results of power system risk assessment.
Steps "b" and "c" are repeated until convergence for each load level is attained.
Fig. 2: Flowchart for application of risk assessment to cogeneration source planning
Based on the initial feasibility investigation, the potential locations and capacity ranges of cogenerators in the region are as follows [9] :  A 40-50MW hog-fuelled cogeneration facility of industrial customer A is connected to the 69kV system at Substation SCP.  An 80 or 150MW gas-fuelled cogeneration facility of industrial customer B is connected to the 69kV system at Substation IPM.  The same as in number 2 except that the cogenerator is connected to the 230kV system through a line to Substation CAM.  A 50-80MW gas-fuelled cogeneration facility of industrial customer C is connected to the 69kV system at substation UNY.
Maximum benefit analysis involves finding the cogeneration alternative that has a positive impact on the power utility company. This analysis is important to the utility due to an energy buy back policy i.e. purchasing back some of the output from the cogenerators by the utility for resale to other users because it is generally associated with revenue loss. This analysis is carried out based on the result from the risk sensitivity analysis. The relationship used to obtain the maximum net benefit is: Has all load levels been considered?
Yes
Where NB represents the net benefit, RR is the reduction in the system risk cost; LR is the reduction in the network loss cost, GR is the reduction of total generation capacity requirement cost; EC is the equivalent cost to the utility, which is the loss of revenue due to the access of cogeneration.
III. Results And Discussion
From the risk sensitivity analysis the following results were obtained for two different load levels: It can be deduced from the results obtained as depict in Tables I and II that the cogeneration plant connected to the substation SCP yields little improvement in the system risk. The cogenerator of the customer B connected to the 69kV system at Substation IPM provides a much smaller improvement in the system risk when compared to the same connection made to the 230kV system at Substation CAM. The 50MW cogenerator connected to the 69kV system at Substation UNY provides a relatively significant improvement in the system risk but a larger unit beyond 50MW at the same substation does not lead to further improvement. Something similar also happens for the cogenerator connected to the 230kV system at Substation CAM; that is, the addition of the first 80MW provides a large improvement in the system risk, and anymore addition above 80MW has a limited further influence.
The observations can be explained as follows. Addition of a cogenerator can lighten (or even eliminate) some system problems caused by the outages that occur near the cogeneration location. The cogeneration cannot improve the system problems due to outages far away from it because of the transmission line constraint. This analysis suggests that the system risk is sensitive to locations and sizes of cogenerators; that is, an unsuitably located cogenerator may not provide an effective improvement in the system risk, although it increases the total generation capacity of the system. IPM  CAM  UNY  0  9930  9930  9930  9930  10  8831  9064  7779  8155  20  8471  8727  6524  6974  30  7919  8476  5428  6129  40  7684  8240  4379  5592  50  7544  8238  3371  5250  60  7250  8049  2367  5234  70  7015  7845  2180  5234  80  6812  7650  2043  5234  90  6593  7456  1956  5234  100  6422  7317  1845  5234  110  6270  7150  1758  5234  120  6186  6962  1660  5234  130  6115  6823  1573  5234  140  5973  6823  1492  5234  150  5962  6823  1401  5234 The comparisons drawn from the risk sensitivity analysis eliminates the cogenerators connected to the 69kV systems at Substations SCP and IPM. From the comparison also it is observed that cogeneration beyond 80MW connected to the 230kV system at Substation CAM provides almost no further improvement to the system reliability compared to the first 80MW, so the maximum benefit analysis is used to ascertain if it is necessary to go beyond 80MW. This further assessment involves 2 schemes:  50MW connected to the 69kV system at Substation UNY and 80MW connected to the 230kV system at Substation CAM  50MW connected to the 69kV system at Substation UNY and 150MW connected to the 230kV system at Substation CAM Table III presents the annualized EENS for base generation and for the two cogeneration schemes in a five year period. The above data is used for an economic analysis known as the maximum benefit. For this analysis, a unit interruption cost of $6.3/kWh is assumed according to customer damage functions. Using the base generation system case as reference, the annual EENS index reduction and system risk cost reduction due to the two cogeneration schemes are calculated and tabulated as shown in Tables IV, V and VI. Index reduction= (base case) -(cogeneration scheme) Risk cost reduction= ($6.3/kWh) x (Index reduction) Note that present value method is not used for purpose of simplicity. Also this risk cost evaluation is an approach that puts risk and economic factors on a unified scale of monetary value. The access of a cogenerator to the utility system can reduce the system capacity requirements in generation-demand balance planning. This reduction, however, is not the megawatt value that can be provided by the cogenerator. The same capacity at major generation sources and cogeneration facilities does not create the same effect on system operation and system risk. The effect due to the cogenerator is limited to the local area, whereas that due to the major generation sources is more widespread and global. Generally, a discount coefficient is introduced to reflect this difference. The coefficient of 0.8 is used in this application.
For Case 1:
Reduction in system generation capacity: (50 + 80 -52) × 0.8 = 62.4 MW and reduction in capacity cost: 62.4 x 34 = $2122 k/year. 52 MW is the load of the cogeneration provider; $34k/MW/year is the assumed rate of generation capacity.
For Case 2:
Reduction in system generation capacity: (50 + 150 -52) × 0.8 = 118.4 MW and reduction in capacity cost: 118.4 x 34 = $4026 k/year. The 52MW is a deducted quantity from the system capacity reduction because the utility makes a commitment to guarantee the power supply for the cogeneration provider when its cogeneration facility fails.
Note that the major negative impact of cogeneration to utility is due to energy bought back. A buy back policy of 25% of nonutility generation output was assumed for this analysis, and the remaining percentage is wheeled to customers by the cogenerator. This 25% is still resold to other customers at no profit for the utility. But if this 25% of energy bought back was produced by the utility company and sold to customers, it would make an estimated profit of $32.75/MWh. It means that the access of cogenerators to the power system results in a net revenue reduction to the utility. Historical statistics show that gas-fueled generators of 50MW and above have an average unavailability of 0.35, inclusive of forced, planned, and maintenance outages. Using the calculated data from the previous calculations for schemes 1 and 2: (2) to obtain the net benefits to the utility within the eight years for scheme 2 Net benefit = 9078 + 8144 + (4026 -6900) x 8 = -$5770 k From the results, it shows that scheme 1 yields a positive benefit while Scheme 2 yields a negative benefit. So it can be concluded that the best locations and sizes of cogenerators for the utility are 50MW connected to the 69kV system at Substation UNY and 80MW connected to the 230kV system at Substation CAM.
IV. Conclusion
The application of risk evaluation to cogeneration source planning has successfully been implemented in this work. Besides the basic risk sensitivity, the additional analysis is required in planning the access of nonutility generators to the utility system. The following conclusions can be drawn:

Impact of nonutility generators: Generally, a nonutility generator creates both positive and negative impacts on the utility system. The impacts vary for different locations and sizes. In the given scenario, the first two locations of the cogenerators led to very limited improvement in the system risk. At the other two locations, the cogenerator can decrease the system risk, but when the size is beyond 50MW or 80MW, it no longer provides further improvement. In the two cogeneration schemes selected from the preliminary risk sensitivity analysis, one can provide the utility with the positive benefit, whereas the other one results in the utility"s economic loss.  Impact of adding more generating units: Conceptually, addition of a generating unit will improve system reliability and thus reduce the system risk cost. The degree of the improvement totally depends on the location and size of added generating units. It is possible that a particular location may only create a very marginal impact on system risk. It should be appreciated that the access of cogenerators to the utility system is also associated with other aspects such as operation issues and wheeling agreements. In other words, reliability planning is only one portion of the whole problem. However, the risk sensitivity analysis and the overall economic assessment, including the risk cost, provide important information for decision making. If a zero or negative benefit cogeneration scheme (such as scheme 2) is presented in the negotiation, for example, a high access charge fee should be considered. Alternately, the proportion of energy bought back should be decreased.
The presented method can be utilized in different generation planning issues, including the comparison among different generation enhancement schemes and identification of the best location and size of cogenerators. It is important to recognize that, as in any other planning process, the risk evaluation and the economic analysis in generation planning are only necessary portions of the whole issue, although they may play a decisive role in the process.
